
Box 484, Kaslo
British Columbia, V0G 1M0

Phone: (250)353-7350
E−Mail: ashadra@telus.net

July 31st, 2018

British Columbia Utilities Commission
Sixth Floor, 900 Howe Street
Box 250, Vancouver, B.C.
V6Z 2N3 

Attention: Patrick Wruck, Commission Secretary

FortisBC Inc 2017 Cost of Service Analysis and Rate Design

Evidence

Attached please find Exhibits 20 through 27.

Exhibit 20 provides terminology descriptors, background information and a discussion on the 
implications of using the Minimum System and/or Zero Intercept cost of service analysis versus other 
methodological options, including commentary from Bonbright (1961), Garfield and Lovejoy (1964) 
and Washington State Utilities and Transportation Commission (from the 1980’s and early 1990’s).

This includes a discussion that use of non-concident peak (the sum of all, say, the peaks of all residential 
customers) does not necessarily equal the peak use of the residential customer class as a whole, and thus 
could result in an overcharging of class costs:

“The problem with non-coincident demand measurement is that it fails to recognize the different times of 
the day and of the year when individual customer demands occur. Because of this, it may fail to accurately 
reflect the impact of customers on utility system costs” (p A-3).

Exhibit 21 explicitly tackles the implication of increasing the Basic Customer Charge and provides 
three recent findings by the Missouri, Minnesota and Washington State Commissions.

Exhibit 22 offers the alternative of a “Minimum Bill”, with Table 1 illustrating (as discussed in Andy 
Shadrack’s Final Argument in FortisBC Inc. - 2009 Rate Design and Cost of Service and in Order G-
156-10) how a high Basic Customer Charge creates discriminatory pricing against low-useage
customers.

Further, contrary to the position being taken by FBC, it is noted that:

“...the vast majority of low-income consumers are also low-use consumers” (p2)

Exhibit 23 contains email correspondence between Kaslo Senior Citizens Association Branch #81 and 
Jason Ball of the Washington State Utilities and Transportation Commission. 

Exhibit 24 and 25 provide data on the consumer price index (CPI) in BC, specifically that between 
2008 and 2017 the overall CPI increased by 11.3% (9% without energy prices), energy as a whole 
increased by 10.8%, and motor gasoline by 5.2%, while fuel oil and other fuels decreased by 1.6% 
and natural gas prices decreased by 26.2%.
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In contrast the price of electricity increased by 55.6% - a marked and radically higher rate of price 
increase than the overall basket of consumer goods and energy in general. In fact electricity pricing in 
British Columbia between 2008 and 2017 was the largest driver of the CPI increases, the next highest 
commodity price increase being cigarettes at 40%.

Exhibit 26 provides two tables comparing how many kWh a residential customer can access per 
month with electricity budgets of $30, $40, and $50, depending on what rate design is used: the 
current rate design, the equivalent of the Puget Sound Power rate, and FBC’s proposed 2023 flat rate.

Then the current rate design is compared in a second table with how many kWh a residential 
customer could access if a minimum billing system of $15.18 per month was introduced (while 
retaining the current tier 1 or tier 2 rates), and if a minimum billing system of $15.18 per month was 
introduced under the proposed 2023 flat rate, at electricity budgets of $30, $40, $50, $97 and $150 per
month. 

Finally Exhibit 27 provides electricity consumption data for the Shadrack/Bauman household in Kaslo 
from the first bi-monthly billing period in 2005 to the end of July, 2018.

All of which is respectfully submitted,
Andy Shadrack
for Kaslo Seniors Community Association, Branch #81
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Dividing the Pie: 
Cost Allocation, the First Step In the 

Rate Design Process1

By Jim Lazar

Introduction

Utility rate proceedings include distinct elements 
that together determine the utility’s overall 
revenue requirements, the portion to be 
derived from each class, and the rates by which 

these will be recovered from individual consumers. These 
include:

Rate Base: Determining the fair value for rate-making 
purposes of the utility’s investment in utility plant 
that is “used and useful”2 in providing service to the 
public.

Operating Expenses: Determining the allowable level 
for operations and maintenance expenses, including 
labor, fuel, outside services, taxes, and other costs 
paid out by the utility.

Rate of Return: Ascertaining the allowed profit rate 
for shareholders, and the required interest rate for 
bondholders, together making up the “weighted cost 
of capital.”

Cost Allocation: Dividing the revenue requirement 
among customer classes.

Rate Design: Calculating rates for each class of 
customers to produce the allocated revenue 
requirement based on assumed usage levels.

Other Elements: Many regulators make determinations 
on resource planning, low-income energy assistance, 
energy efficiency and renewable energy programs, and 
other elements of the overall utility function. 

It is beyond the scope of this paper to address all aspects 
of utility rate-making; we are focused on the rate design 
element.3 This paper does not address the determination 
of the revenue requirement (Rate Base, Operating 
Expenses, and Rate of Return). This chapter gives an 
abbreviated discussion of cost allocation only to provide an 
introduction to how these allocation elements and decisions 
made by regulators with respect to each element affect the 
eventual rate design.

The first step utilities and regulators follow in 
establishing retail prices to recover a given revenue 
requirement is a cost allocation analysis, usually called a 
“cost of service study” or COSS. There are many different 
methods used for computing a COSS, and no method is 
precise or “correct.” Often regulators use the results of 
multiple studies, using different approaches to determine 
how the utility revenue requirement should be apportioned 
between customer classes. This chapter provides a brief 
overview of the different approaches used, and how the 
methodologies attempt to reflect utility costs in a causal 
manner.

1 This chapter is a greatly abbreviated version of a long paper 
on the issue of cost allocation prepared by author Jim Lazar 
for the Arizona Corporation Commission. See http://www.
raponline.org/document/download/id/7765. 

2 “Used and useful” is a regulatory concept—often trig-
gered when a plant is first placed in service, but applicable 
throughout the life of the plant—for determining whether 
utility plant is eligible for inclusion in a utility’s rate base. 

While different state courts have interpreted the concept 
differently, “used” generally means that the facility is actually 
operated to provide service, and “useful” means that without 
that facility service would either be more expensive or less 
reliable.

3 For an overall understanding of utility rate-making, see 
Electricity Regulation in the United States: A Guide at: http://
www.raponline.org/document/download/id/645. 

http://www.raponline.org/document/download/id/7765
http://www.raponline.org/document/download/id/7765
http://www.raponline.org/document/download/id/645
http://www.raponline.org/document/download/id/645
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Frameworks: Marginal, Incremental, 
and Embedded Costs

There are three major philosophical approaches to cost 
allocation, known as “marginal” cost, “incremental” cost, and 
“embedded” cost. Each approaches cost and cost allocation 
in a fundamentally different manner, as shown in Table A-1.

Simply stated, “marginal cost” studies should look at the 
cost of building a new utility system, “incremental cost” 
studies look at the cost of augmenting an existing system, 
and “embedded cost” studies divide the actual recorded 
historical investments and current operating expenses 
between customer classes.

Because today’s utility systems typically consist of assets 
that were designed and built when costs and loads were 
significantly different than they are today, these three types 
of studies can produce significantly different results in the 
costs attributed to each customer class. 

Table A-1

Approaches to Cost Allocation

Function Long-Run Marginal Cost Incremental Cost Embedded Cost

Production 
(generation 
and purchased 
power) 

Transmission

Distribution

Administrative 
Costs

Fuel Costs

Taxes

Cost of constructing and 
operating an optimal mix of 
new generating facilities at 
today’s costs to serve the current 
customer requirements.

Cost of constructing and 
operating an optimal transmission 
system at today’s prices to serve 
current customer requirements.

Cost of constructing and 
operating a new optimal 
distribution system to serve 
current customer requirements.

Cost of an optimal administrative 
framework to support an optimal 
utility system.

Fuel costs that would be incurred 
if the utility generating resources 
were optimized to current 
requirements.

Taxes that would be incurred 
if the utility’s production, 
transmission, and distribution 
system were optimized to current 
customer requirements.

Cost of adding additional 
generating facilities at today’s cost 
to serve incremental changes in 
usage by customers.

Cost of augmenting existing 
transmission to serve 
expected changes in customer 
requirements.

Incremental cost of augmenting 
the current existing distribution 
system to serve changes in 
customer requirements.

Changes in the cost of 
administrating the utility as 
customer requirements change.

Changes in fuel costs incurred in 
response to changes in customer 
usage.

Incremental taxes that would be 
incurred in response to changes 
in customer usage.

Booked actual investment and 
operating expense for existing 
generating resources used to serve 
customers during the test year.

Actual cost of existing 
transmission resources used to 
serve customer requirements.

Actual cost of existing distribution 
system currently used to serve 
customer requirements.

Actual costs incurred in the test 
year to provide administrative 
functions of the utility.

Actual fuel costs incurred in the 
test period for existing generating 
resources.

Actual taxes paid by the utility in 
the test year.

Methodologies: Demand/Energy vs. 
Time-of-Use Energy Weighted

Prior to the advent of economical advanced metering, 
utilities had to estimate the contribution of each customer 
class to peak demands and used samples of customers to 
measure this. Because the usage of each class by hour of the 
day, day of the week, and month of the year could only be 
estimated, utilities used shortcut methods to determine how 
much of the cost of baseload, intermediate, and peaking 
resources should be apportioned to each customer class. 

Embedded cost studies done in that era classified 
assets simply as “demand-related,” “energy-related,” and 
“customer-related.” The demand-related costs – including 
much of the capital costs for generation and transmission 
assets – were allocated among customer classes based on 
the estimated class contribution to peak demand. The high 
capital costs for nuclear, hydro, and coal plants were often 
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treated no differently than low capital costs for peaking 
units. That measure of peak demand could be as narrow as 
the highest single hour of the year (1CP), the average of the 
four summer monthly peaks (4CP), the average of twelve 
monthly system peak hours (12CP) or, more broadly, as the 
highest 100 or 200 hours of system demand. Fuel costs in 
the past were simply allocated based on total kilowatt-hour 
usage, mixing free fuel for hydro units, low-cost coal, and 
nuclear fuel, and high cost oil or natural gas used in peaking 
resources. This approach became widely recognized as 
inappropriate when very high capital cost nuclear units were 
built, and when demand response programs emerged as 
alternatives to generation and transmission capacity to meet 
narrow periods of peak demand.

More sophisticated embedded cost studies today 
treat baseload and peaking resources very differently, 
assigning baseload resources to loads in all hours, and 
peaking resources only to peak hours. Time-differentiated 
embedded cost studies include methods such as the base-
intermediate-peak method, the peak-credit method, and 
the equivalent-peaker method. All three approaches treat 
assets used to serve baseload usage that occurs year-round 
very differently from peaking resources. Because gas-
peaking power plants are typically built close to cities, they 
do not require the same transmission capacity as baseload 
units. Demand response programs used to serve the highest 
10 – 50 hours per year normally require no generation or 
transmission investment, and no fuel costs at all. 

Within the marginal cost and incremental cost 
categories, most treat the cost of peaking capacity as only 
that of a peaking resource, such as a combustion turbine or 
demand response measure, not the capital costs of baseload 
generating resources. 

The point is that no single method for allocating produc-
tion and transmission costs between classes is appropriate for 
every resource and for every utility. Regulators often consider 
multiple studies and adopt a blended cost allocation method 
considering the different results presented. 

Demand-Related Costs

The term “demand-related cost” is an artifact of the 
era when utilities did not have precise data on the use of 
each customer or customer class at different hours of the 
day. This term was often applied to either all capital and 
operating costs of all generation, transmission, and shared 
distribution plant, or else to that portion determined 
necessary to meet peak demand.

These demand-related costs would then be allocated 
based on one or more measures of coincident peak demand 
(system peak), class peak demand (highest load of each 
class, whenever it occurs) or non-coincident peak demand 
(sum of the individual maximum demands of customers, 
whenever they occur). 

For large commercial and industrial customers, these 
costs were often converted into “demand charges” in the 
rate design – applied on a $/kW basis to the non-coincident 
demand of each customer in the class on a monthly basis. 

The problem with non-coincident demand measurement 
is that it fails to recognize the different times of the day 
and of the year when individual customer demands occur. 
Because of this, it may fail to accurately reflect the impact 
of customers on utility system costs.

In more sophisticated studies that can be done today 
with more detailed usage data from individual customer 
smart meters and from metering of each distribution 
circuit, it is now possible to apply most of these costs that 
are not customer-specific to time-varying energy rates, so 
that users of shared facilities share appropriately in the cost 
of these facilities. While billing customers for coincident 
peak demand is preferable to using their non-coincident 
demand, costs in excess of what would be incurred to 
achieve demand response during the key hours are better 
reflected in time-varying energy prices.

The Problem with Non-Coincident 
Demand Billing

A donut shop uses power in the morning, and an 
adjacent nightclub uses power in the evening. With 
non-coincident demand billing, they both pay a 
demand charge based on their individual maximum 
usage, even though they can share the same capacity.

Across the street, a 24-hour diner uses power 
continuously. Even though its usage at the time of the 
system peak demand may be identical to the combined 
peak period usage of the donut shop and nightclub, 
it pays only half as much in demand charges as the 
combined loads for the donut shop and nightclub, 
because all of the power flows through one meter. 

Non-coincident demand measurement simply favors 
those customers with diversity on their side of the 
meter.
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Energy-Related Costs

In the early years of cost allocation studies, before the 
costs of different types of facilities became as divergent as 
they are today, the only costs treated as energy-related were 
typically fuel and variable purchased power costs. These 
were typically allocated to each customer class based on 
(loss-adjusted) kilowatt-hour sales. Today, many regulators 
consider the majority of the investment in baseload 
resources to be energy-related costs.

Many regulators have come to realize that the fuel costs 
for baseload and peaking resources are very different, and 
should be apportioned to the periods when each type 
of resource is used. Just as the capital costs of baseload 
resources are assigned to all hours and the capital costs 
of peaking resources are assigned to the on-peak hours, it 
is now common for the fuel and variable operating costs 
of different types of resources to be assigned to the hours 
when those are used.

Table A-2

Different Approaches to Distribution System Classification and Allocation

Function Minimum System or Zero-Intercept Basic Customer Peak and Average

Description

Substations

Poles and Wires

Transformers

Dumb Meters

Smart Meters

Cost of a minimum sized 
distribution system is treated as 
customer-related. Other costs 
treated as demand-related.

Allocated on the basis of class 
contribution to peak demand.

Percentage that would be incurred 
to build a hypothetical minimum-
size system allocated on a per-
customer basis; balance allocated 
based on peak demand.

Cost of a small (~10 kVA) 
transformer allocated per-
customer; balance allocated based 
on peak demand of customers at 
distribution voltage.

Per-Customer

Customer / Energy / Demand

Only customer-specific costs 
are treated as customer-related. 
Other costs are treated as 
demand-related.

Allocated on the basis of class 
contribution to peak demand.

Allocated on the basis of class 
contribution to peak demand.

Allocated on the basis of class 
contribution to peak demand at 
the distribution voltage level.

Per-Customer

Customer / Energy / Demand

Cost of a basic distribution 
infrastructure treated as energy 
related; cost of overbuilding 
attributed to demand.

Allocated partly based on class 
peak demand, partly on kWh 
usage.

Allocated partly based on class 
peak demand, partly on kWh 
usage.

Allocated partly based on class 
peak demand, partly on kWh 
usage for customers taking service 
at distribution voltage level.

Per-Customer

Customer / Energy / Demand

Distribution Costs

Distribution costs are among the most controversial 
elements of utility cost allocation studies addressed by 
regulators. These are mostly shared facilities, and they 
serve baseload usage and peak usage and are needed for 
individual customers to obtain service at all. There are 
many different cost-allocation approaches used. The text 
box below describes the theories applied in three of the 
most commonly used methodologies.

Each of these approaches has been applied by one or 
more regulator over time. However, we draw attention to 
some key guidance from two of the pioneer authors in the 
field of utility rate-making as to how these costs should be 
treated. In general, these tend to favor the “basic customer” 
or “peak and average” approaches, and to ensure that some 
system capacity costs are allocated to every hour of the 
year, not just to peak periods.
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Table A-3

Rate-Making Textbook Discussion of Distribution Infrastructure Costs

Bonbright (1961)4 
“While, for the reason just suggested, the inclusion of the costs 

of a minimum-sized distribution system among the customer-
related costs seems to me clearly indefensible, its exclusion from 
the demand-related costs stands on much firmer ground.

But, if the hypothetical cost of a minimum-sized distribution 
system is properly excluded from the demand-related costs for 
the reason just given, while it is also denied a place among the 
customer costs for the reason previously stated, to which cost 
function does it then belong? The only defensible answer, in my 
opinion, is that it belongs to none of them. Instead it should be 
recognized as a strictly unallocable portion of total costs. And this 
is the disposition that it would probably receive in an estimate 
of long-run marginal costs. But the fully distributed cost analyst 
dare not avail himself of this solution, since he is the prisoner 
of his own assumption that “the sum of the parts equals the 
whole.” He is therefore under impelling pressure to “fudge” his 
cost apportionments by using the category of customer costs as a 
dumping ground for costs that he cannot plausibly impute to any 
of his other cost categories.

Garfield and Lovejoy (1964)5

(1) All utility customers should contribute to 
capacity costs.

(2) The longer the period of time that a 
particular service pre-empts the use of 
capacity, the greater should be the amount 
of capacity costs allocated to that service.

…
(4) The allocation of capacity costs should 

change gradually with changes in the 
pattern of sales as the market develops. 
As noted previously, the original Peak 
Responsibility Method is prone to 
produce erratic results with changes in 
the timing of system peaks.

…
(6) More demand costs should be allocated 

to a unit of capacity pre-empted during 
a peak period than to one pre-empted 
off-peak.

4 Bonbright, Principles of Public Utility Rates, 1961, p. 348.

5 Garfield and Lovejoy, Public Utility Economics, p. 163.

6 Washington Utilities and Transportation Commission v. 
Puget Sound Power and Light Company, Cause U-89-
2688-T, Third Supp. Order, p. 71.

Customer Costs

The term “customer costs” refers to those costs properly 
allocated between classes of customers on the basis of 
number of customers. As discussed above, this involves a 
highly controversial element of cost allocation, with some 
analysts (generally working for industrial customers or 
electric utilities) advocating that more costs be classified as 
customer-related, while other analysts (generally working 
for regulatory commissions, consumer advocates, and low-
income intervenors) advocating a very narrow definition of 
customer costs.

The controversy arises over the issue of what costs are 
added if the number of customers rises. In an illustrative 
example, if an owner of a single-family residence converts 
a portion of his/her home into an accessory dwelling unit 
(mother-in-law apartment), the utility needs to install a 
second meter, render a second bill, and process a second 
payment. These are costs that increase (or decrease) as 
the number of customers served goes up or down. These 
costs form the customer-related costs generally used in 
the Basic Customer and Peak and Average cost allocation 

methodologies widely used throughout the United 
States. As the Washington Utilities and Transportation 
Commission stated in two rate cases in the 1980s:

In this case, the only directive the Commission will give 
regarding future cost of service studies is to repeat its rejection 
of the inclusion of the costs of a minimum-sized distribution 
system among customer-related costs. As the Commission 
stated in previous orders, the minimum system method is 
likely to lead to the double allocation of costs to residential 
customers and over-allocation of costs to low-use customers. 
Costs such as meter reading, billing, the cost of meters and 
service drops, are properly attributable to the marginal cost 
of serving a single customer. The cost of a minimum-sized 
system is not. The parties should not use the minimum system 
approach in future studies.6
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And:
The Commission finds that the Basic Customer method 

represents a reasonable approach. This method should be 
used to analyze distribution costs, regardless of the presence 
or absence of a decoupling mechanism. We agree with 
Commission Staff that proponents of the Minimum System 
approach have once again failed to answer criticisms that 
have led us to reject this approach in the past. We direct the 
parties not to propose the Minimum System approach in the 
future unless technological changes in the utility industry 
emerge, justifying revised proposals.7

There has been general agreement among analysts that 
billing and collection costs are customer-related costs, 
but the emergence of smart meters has created a new 
controversy over whether meters (smart meters) should 
be considered customer-related costs. These are installed 
one-per customer, but the purpose of deployment is to 
enable time-varying rates, to enable demand response 
programs, and to enable critical peak pricing schemes. The 
incremental costs of smart meters are arguably related to 
peak demand and energy as much as to a per-customer 
purpose. We discuss this at length in Appendix D (“The 
Specter of Straight Fixed/Variable Rate Designs and the 
Exercise of Monopoly Power”).

Opinion as to whether distribution infrastructure costs 
(poles, conductors, transformers, and meters) are treated as 
customer-related in a COSS often drives the positions that 
parties take in the rate design phase of rate cases. Parties 

that advocate customer classification of the distribution 
infrastructure often use that perspective to advocate 
high monthly customer charges, in some cases as high 
as $25/month. Parties that advocate a narrow definition 
of customer costs generally advocate monthly customer 
charges that reflect the cost of billing and collection, in the 
range of $5-$10/month. For a variety of reasons, most state 
utility regulators have adopted a relatively narrow position 
on what costs should be included in the customer charge. 

Treatment of Basic Infrastructure, 
Administrative, and Other Unallocable 
Costs

The costs that remain include those of the utility’s 
underlying infrastructure, plus administrative costs and other 
costs that are not directly related to peak demand, to energy 
volumes, or to the number of customers. These include, at a 
minimum, the administrative and general costs of the utility, 
the general office facilities, and the costs of regulation. 

Most cost studies apply these costs as applicable to all 
of the allocated costs. In embedded cost studies, they are 
allocated to various subtotals of production, transmission, 
and distribution costs. In marginal cost studies, they are 
often treated as adders to the annual capital carrying cost 
(return, depreciation, and associated taxes) applied to 
calculate marginal customer cost, demand cost, and time-
varying energy costs.

7 Washington Utilities and Transportation Commission v. Puget Sound Power and Light Company, Docket No. UE-920499,  
Ninth Supp. Order on Rate Design, p. 11.

Table A-4

Hypothetical Revenue-to-Cost Ratio and Return Index

 Row Cost Element Formula Class 1 Class 2 Class 3 Total

1 Operating Income

2 Rate Base

3 Return on Rate Base

4 Equal Return Operating Income

5 O&M Expense Allocation

6 Current Revenue

7 Equal Return Revenue (Equal Return 
 Operating Income + Equal Return)

8 Return Index (Class Return/System Return)

9 Revenue-to-Cost Ratio (Ratio of Current 
 Revenues to Equal Return Revenues)

Assume $1,000 $1,000 $1,000 $3,000

Assume $10,000 $13,000 $7,000 $30,000

(1)/(2) 10.0% 7.7% 14.3% 10.0%

(3) Avg x (2) $1,000 $1,300 $700 $3,000

Assume $3,000 $3,500 $4,000 $10,500

(1) + (5) $4,000 $4,500 $5,000 $13,500

(4) + (5) $4,000 $4,800 $4,700 $13,500 

(3) / (3) Avg 100% 77% 143% 100%

(6) / (7) 100% 94% 106% 100%
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Presentation of Study Results

The “results” of a cost allocation study are usually 
presented in the context of showing that some classes 
of customers are paying more or less than their share of 
costs. The two approaches commonly used are a “revenue 
to cost ratio” and a “return index.” The “revenue to cost 
ratio” compares the customer class actual revenue to the 
regulator-determined class share of revenue responsibility, 
and can be done with either embedded cost study or 
marginal/incremental cost study results, while the return 
index is strictly an embedded cost study concept. The 
two can produce quite different results because the return 
index is much more sensitive to deviations from the target 
revenue. Table A-4 provides an example of these two 
comparisons based on an illustrative embedded COSS.

The variation in the “return index,” from 77% to 
143%, could be used to show that Class 2 is seriously 
“underpaying.” But if the revenue-to-cost ratio is used, this 
class is shown as paying 94% of their allocated revenue 
requirement, typically within the “range of reasonableness” 
used by regulators to determine if a disproportionate rate 
adjustment should be applied to a particular class. 

Table A-5

Hypothetical Cost Allocation and Unit Cost Calculation

 Row Cost Element Formula Class 1 Class 2 Class 3 Total

10 Demand-Related Costs at Equal Return

11 Energy-Related Costs at Equal Return

12 Customer-Related Costs at Equal Return

13 Total Cost of Service

 Billing Determinants

14 Demand

15 Energy

16 Customer (Bills/Year)

 Unit Costs

17 Demand $/kW/Month

18 Energy $/kWh

19 Customer $/Customer/Month

Assume $1,000 $1,000 $1,200 $3,200

Assume $2,000 $3,000 $3,200 $8,200

Assume $1,000 $800 $300 $2,100

(10) : (12) $4,000 $4,800 $4,700 $13,500 

Assume Not Metered 200 200 

Assume 30,000 40,000 45,000

Assume 500 100 20 

(10) / (14)  $5.00 $6.00 

(11) / (15) $0.100 $0.075 $0.071

(12) / (16) $2.00 $8.00 $15.00 

Unit Costs

The most important results of a COSS for rate design 
purposes is the “unit cost” calculations that result. The 
“cost of service” is divided between “customer-related,” 
“demand-related,” and “energy-related costs.” These are 
sometimes used as guides for rate design; however, it is not 
uncommon for regulators to use embedded cost studies for 
allocating costs between classes, and marginal cost concepts 
for designing rates within classes.

Table A-5 shows illustrative results of a COSS in terms of 
unit costs. 

Summary

There are as many different methods for allocating costs 
as there are analysts performing cost allocation studies. 
The results presented by a utility, using one methodology, 
may be dramatically different from the results of studies 
prepared for industrial customer advocates, consumer 
advocates, or low-income advocates. Regulators routinely 
consider the results of multiple studies in determining a 
cost allocation and rate design that meets the legal test of 
“fair, just, and reasonable.” The illustrative results shown in 
this chapter are only that—not intended as “fair” values for 
any utility system or to be a portrayal of anything but the 
differences that may be presented.
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How Fixed Charges 
Harm Customers 
Recently, there has been a sharp uptick in the number of utilities 
proposing to recover more of their costs through monthly fixed 
charges rather than through rates based on usage. 

Utilities prefer to collect revenue through fixed charges because 
the fixed charge reduces the utility’s risk that lower sales (from 
energy efficiency, distributed generation, weather, or economic 
downturns) will reduce its revenues. However, higher fixed 
charges are an inequitable and inefficient means to address 
utility concerns. 

Fixed Charges Reduce Customer Control 

Since customers must pay the fixed charge regardless of 
how much electricity they consumer or generate, the fixed 
charges reduce the ability of customers to lower their bills by 
consuming less energy. Overall, the fixed charge reduces 
customer control, as the only way to avoid the charge is to stop 
being a utility customer. 

 

Low-Usage Customers Hit Hardest 

Customers who use less energy than average will 
experience the greatest percentage jump in their electric bills 
when the fixed charge is raised, since bills are based less on 
usage and more on a flat‐fee structure. For example, at one 
utility, increasing the fixed charge from $9 to $25 per month 
would result in bill increases of 17 percent or more for low‐usage 
customers, as shown in the graph to the right. 
 

There are many reasons a customer might have low energy 
usage—they may have energy efficient appliances or solar 
panels, or they may be very conscientious to avoid wasting 
energy. Low‐usage customers may also be located in 
apartments and dense housing, and therefore also impose lower 
distribution costs on the grid. 
  

Disproportionate Impacts on Low-Income 
Customers  

Data from the Energy Information Administration show that in 
nearly every state, low‐income customers consume less 
electricity than other residential customers, on average. 

Because fixed charges tend to increase bills for low‐usage 
customers while decreasing them for high‐use customers, fixed 
charges raise bills most for those who can least afford it. 

Reduced Incentives for Energy Efficiency 
and Distributed Generation 

Energy efficiency and clean distributed generation are widely 
viewed as important tools to help reduce energy costs, decrease 
greenhouse gas emissions, create jobs, and improve economic 
competitiveness. 

By reducing the value of a kilowatt‐hour saved or self‐
generated, a higher fixed charge directly reduces the incentive 
that customers have to invest in energy efficiency or distributed 
generation. Customers who have already invested in energy 
efficiency or distributed generation will get burned by the 
reduced value of their investments. 

Increased Electricity System Costs 

Holding all else equal, if the fixed charge is increased, 
the volumetric rate (cents per kilowatt‐hour) will be reduced, 
thereby lowering the value of a kilowatt‐hour conserved or 
generated by a customer.  

With little incentive to save, customers may actually increase 
their energy consumption and states will have to spend more to 
achieve the same level of energy efficiency savings and 
distributed generation. Where electricity demand rises, utilities 
will need to invest in new power plants, power lines, and 
substations, thereby raising electricity costs for all customers.  
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“Most utility costs are fixed.” 

This argument conflates two concepts: 
sunk costs and fixed costs. Sunk costs 
are those that the utility has already 
incurred and must recover, regardless of 
how much energy a customer uses.  

Few utility costs are truly “fixed,” as 
most costs vary with energy or demand 
over the utility’s planning horizon. This 
longer‐term perspective is what is 
relevant for economically efficient price 
signals, and what should be used to 
inform rate setting. As James Bonbright, 
the patron saint of utility ratemaking, 
argued:  

James Bonbright (1961) Principles of 
Public Utility Rates, p. 336. 

“Demand-related costs are 
best recovered through a fixed 
charge.” 

Much of the distribution system is sized 
to meet customer maximum demand. 
However, residential demand‐related 
costs have historically been recovered 
through the energy charge, as opposed 
to a demand charge. While energy usage 
(kWh) is not a perfect proxy for demand 
(kW), collecting demand‐related costs 
through the energy charge is far superior 
to collecting demand‐related costs 
through the fixed charge.  

Research has demonstrated that there 
exists “a strong and significant 
correlation between monthly kWh 
consumption and monthly maximum 
kW demand,” which suggests that “it is 
correct to collect most of the demand‐
related capacity costs through the kWh 
energy charge.”1 

“Cost of service studies should 
determine rate design.” 

Cost of service studies can serve as 
useful guideposts or benchmarks when 
setting rates, but there are several 
arguments against translating the 
results of such studies directly into rates.  

First, embedded cost of service studies 
allocate historical costs to different 
classes of customers, but provide little 
information about marginal costs – the 
costs going forward. To provide efficient 
price signals, prices should be designed 
to reflect marginal costs, rather than 
embedded costs.  

Second, other rate designs may yield the 
same revenue while also accomplishing 
other policy objectives, such as sending 
efficient price signals. 

Cost of service studies are most useful 
when determining how much revenue to 
collect from different customers, rather 
than how to collect such revenue.  

Karl Rabago, former Texas Public Utility 
Commissioner 

1 Larry Blank and Doug Gegax, “Residential 
Winners and Losers behind the Energy versus 
Customer Charge Debate,” Fortnightly 27, no. 4 
(May 2014). 

 

“[A]s setting a general basis of minimum 
public  utility  rates  and  of  rate 
relationships,  the  more  significant 
marginal or incremental costs are those 
of  a  relatively  long‐run  variety  –  of  a 
variety which treats even capital costs or 
‘capacity costs’ as variable costs.” 

“I know of no ratemaking or economic 
principle that finds that cost structure 
must  be  replicated  in  rate  design, 
especially  when  significant  negative 
policy  impacts are attendant  to  that 
approach.” 

Recent Commission Decisions 
CUSTOMER CONTROL 

“The Commission must also consider the 

public policy implications of changing the 

existing customer charges. There are 

strong public policy considerations in 

favor of not increasing the customer 

charges. Residential customers should 

have as much control over the amount of 

their bills as possible so that they can 

reduce their monthly expenses by using 

less power, either for economic reasons or 

because of a general desire to conserve 

energy. Leaving the monthly charge 

where it is gives the customer more 

control.”  

Missouri Public Service Commission Report & 
Order, File No. ER‐2014‐025, April 29, 2015 

AFFORDABILITY AND CONSERVATION 

“The Commission concludes that raising the [fixed charge] would give too much 

weight to the … cost‐of‐service study and not enough weight to affordability 

and energy conservation…. [This] highlights the need for caution in making any 

decision that would further burden low‐income, low‐usage customers, who are 

unable to absorb or avoid the increased cost.” 

Minnesota Public Utilities Commission, Findings of Fact, Conclusions, and Order; 
Docket No. E‐002/GR‐13‐868, May 8, 2015 

 APPROPRIATE COSTS AND CONSERVATION 

“The Commission is not prepared to move away from the long‐accepted 

principle that basic charges should reflect only “direct customer costs” such as 

meter reading and billing. Including distribution costs in the basic charge and 

increasing it 81 percent, as the Company proposes in this case, does not 

promote, and may be antithetical to, the realization of conservation goals.“ 

Washington Utilities and Transportation Commission, Final Order; Docket UE‐
140762, March 25, 2015 

 

 

Common Myths 



Electric utilities have certain costs that do not vary 
with the usage of electricity. It is generally accepted 
that these include the costs of metering, billing, 
and payment processing. These costs are most 

often recovered through what is variously called a “customer 
charge” or a “service charge” or a “basic charge.” In the 
United Kingdom, this is known as a “standing charge.” 

Regardless of the title, it is a charge (usually less than 
$10/month for residential service) that is levied each month 
regardless of electricity usage, with additional charges 
applying for each kilowatt-hour of electricity consumed. For 
most utilities in the US, the customer charge covers the cost 
of billing and collection, and perhaps other customer-specific 
costs like meter reading, but not the costs of distribution 
facilities like poles, conductors, or transformers.

Nearly all electric utilities worldwide bundle the cost of 
distribution service, as well as the power supply cost, into a 
usage charge, calculated as a price per kilowatt-hour. This is 
consistent with how competitive firms price their products, 
whether it is gasoline, groceries, or hotel rooms: the price 
per unit recovers all of the costs involved in producing, 
transporting, and retailing of goods and services. 

Some rate analysts argue that a portion of the distribution 
system – poles, wires, and transformers – constitute a fixed 
cost that does not vary with sales and should be included 
in the fixed customer charge. Some recent proposals from 
electric utilities reflect this view. This is controversial. 

Many state regulatory authorities rejected this approach 
when they held hearings and made determinations under 
the Public Utility Regulatory Policies Act of 1978.2 The 
Washington Utilities and Transportation Commission, for 
example, explicitly rejected the concept that distribution 
costs were customer-related in nature:

In this case, the only directive the Commission will give 
regarding future cost of service studies is to repeat its rejection 
of the inclusion of the costs of a minimum-sized distribution 
system among customer-related costs. As the Commission 

1 Rich Sedano, Janine Migden-Ostrander, Brenda Hausauer 
and Camille Kadoch provided reviews.

2 Public Utility Regulatory Policies Act of 1978, 16 U.S.C. 
§§2601-2645 (1978). Available at: http://www.gpo.gov/fdsys/
pkg/STATUTE-92/pdf/STATUTE-92-Pg3117.pdf. 

3 WUTC v. Puget Sound Power and Light Company, Cause 
U-89-2688-T, Third Supp. Order, P. 71, 1990.

stated in previous orders, the minimum system method is 
likely to lead to the double allocation of costs to residential 
customers and over-allocation of costs to low-use customers. 
Costs such as meter reading, billing, the cost of meters and 
service drops, are properly attributable to the marginal cost 
of serving a single customer. The cost of a minimum sized 
system is not. The parties should not use the minimum system 
approach in future studies.3

However, as sales have flattened or declined in recent 
years, and as more customers install on-site generating 
resources but remain dependent on grid services for some 
service, the concept of recovering distribution network 
costs in fixed charges has experienced resurgence. 

Utility sales volumes in some regions have stagnated 
or declined as appliances, homes, equipment and systems 
become more efficient. Sales volumes also vary with 
weather, declining in mild years. Many state net-metering 
laws allow consumers installing rooftop solar arrays to incur 
net-bills for zero or very few kilowatt-hours, depending 
on the geographic location and the design of the net-
metering tariff. To improve revenue stability, and to collect 
distribution system costs from PV customers, some utilities 
are arguing that “fixed” costs should be recovered in fixed 
customer charges. Some utilities are seeking customer 
charges of $20/month or more. In one extreme case, 
Madison Gas and Electric Company proposed a $69/month 
customer charge, to recover all costs except for fuel and 
purchased power expenses.4 The Wisconsin PUC recently 
voted 2-1 to approve an increase in the customer charge to 

Electric Utility Residential 
Customer Charges and Minimum Bills:
Alternative Approaches for Recovering Basic Distribution Costs

By Jim Lazar1
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$19/month for Wisconsin Public Service Company.5

An electric utility has a defined revenue requirement, 
determined by their regulator. A higher customer charge 
therefore means a lower per-kWh rate will be required. 
This has important impacts on the utility and its customers. 
Utility revenue is stabilized by a high customer charge, 
independent of weather, conservation, or other impacts on 
sales. However, the impacts on customers of high customer 
charges can be inconsistent with policy objectives: 

• Small-use customers, such as apartment dwellers, 
low-income households, and second homes will 
receive much higher electric bills; the vast majority of 
low-income consumers are also low-use consumers. 
This is anathema to public policy objectives that 
normally tend to protect low-income customers and/
or reward low usage;

• Urban area residents who use natural gas for space 
and water heat will receive much higher electric bills;

• Large-use customers, including large single-family 
homes in suburban and rural areas without access to 
natural gas most often will receive lower electric bills, 
depending on the existing utility rate design; and

• The lower per-kWh prices that result when a 
significant portion of costs are recovered in a fixed 
monthly customer charge will stimulate consumption. 
This creates consequences for incremental utility 
investment and for the environment. It also reduces 
the economic incentive for careful customer energy 
management practices and investment in energy 
efficiency measures by increasing pay-back periods.

There are several ways besides high fixed charges to 
address utility revenue stability issues: 

• Financial Reserves: The traditional approach 
has been to set rates in a manner that recovers 
distribution and power costs in a per-kWh charge, 
and expect utilities to have adequate financial reserves 
to manage the volatility that occurs with weather. This 
is reflected in the 40% – 50% equity ratios allowed for 
electric utilities in determining the cost of capital.

• Frequent rate cases: If regulators hold rate 
proceedings every year or two, there is little time for 
sales volumes to deviate far from the level used to set 
volumetric rates.

• Revenue Decoupling: Many regulators have adopted 
revenue regulation mechanisms that calculate a true-
up at the end of the month or year to align actual 
revenues with allowed revenues. 

All of these methods allow the per-kWh charge to 
continue to reflect substantially all of the costs of service. 
By structuring rates this way, regulators preserve the 
consumer incentive to use electricity wisely.

Rate Designs with Minimum Bill Charges
One alternative to address utility concerns for revenue 

adequacy in addition to Revenue Regulation and frequent 
rate cases is a concept known as a “minimum bill.” A 
minimum bill guarantees the utility a minimum annual 
revenue level from each customer, even if their usage is 
zero. The vast majority of customers, who consume the 
overwhelming majority of energy, have usage that exceeds 
those low thresholds. For these customers, a minimum 
bill “disappears” when the usage passes that level, and the 
customer effectively pays a volumetric rate to cover both 
power supply and distribution costs. 

It is important to understand that a very small number 
of customers will be adversely affected by the minimum 
bill, because a large majority of all customers have usage in 
excess of the minimum billed amount. Figure 1 compares 
the number of customers served at each usage level, and 
the kilowatt-hours used by those customers at each usage 
level. Only a few percent of the customers, using less than 
one percent of the energy, have usage below 150 kWh per 
month in this illustrative example, and are arguably not 
making a meaningful contribution to system costs when 
those costs are built into the per-kWh charge.

Table 1 compares three example residential rates, all 
designed to produce the same total level of residential 
revenue for an illustrative utility with average usage for this 
example of 1,000 kWh/month/customer. 

• Low Customer Charge: $5/month, to cover billing 
and collection

• High Customer Charge: $20/month, to cover 
billing, collection, and a portion of distribution costs

• Minimum Bill: $5.00/month to cover billing and 
collection, with a minimum bill of $20 (which applies 
if usage falls below 150 kWh/month). 

4 Application of Madison Gas and Electric Company for 
Authority to Change Electric and Natural Gas Rates, Docket  
3270-UR-120, April 9, 2014. Available at: http://psc.wi.gov/
apps40/dockets/content/detail.aspx?dockt_id=3270-UR-120. 

5 Content, T. (2014, November 6).  State regulators approve 
83% increase in Green Bay utility’s fixed charge. Milwaukee 
Journal-Sentinel. Retrieved from: www.jsonline.com. 

http://psc.wi.gov/apps40/dockets/content/detail.aspx?dockt_id=3270-UR-120
http://psc.wi.gov/apps40/dockets/content/detail.aspx?dockt_id=3270-UR-120
http://www.jsonline.com
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This shows that for the average customer, the three 
rate designs produce almost identical bills. With a high 
customer charge rate design, because the $20 customer 
charge is collecting $15 more than the $5 low customer 
charge, the price per kWh is lower by $0.015/kWh. For the 
minimum bill rate design, however, less than 1% of kWh 
sales will typically be to those customers using under 150 
kWh/month. This group has historically been limited to 
unoccupied dwellings; more recently, it has come to include 
customers with solar PV systems that produce as many 
kilowatt-hours as they consume, but remain dependent 

on the grid to serve as a “battery” taking excess 
production during the day, and supplying power 
when the sun is not shining.

Therefore, there will not be a lot of revenue 
recovered by the minimum bill charge, leaving 
most of the revenue requirement recovered by 
the volumetric charge. The per-kWh rate would 
only be reduced by about $0.001/kWh (1%) as 
a result. Under this rate design, very small-use 
customers, such as PV customers whose panels 
produce as many kilowatt-hours as the house 
uses, would pay slightly higher bills. However, as 
nearly all usage by customers remains priced at 
a cost-based rate that includes all of the costs of 
producing and distributing electricity, the low-use 
PV customer would have negligible usage charges. 

Impact on Usage
Electricity usage varies with the price paid. 

Higher kWh charges create greater incentives for consumers 
to turn out unneeded lights, manage thermostat settings, and 
invest in more efficient appliances, windows, and insulation. 
There is an economic science tool, price elasticity, which 
measures the expected change in consumption if prices 
change. Economists variously estimate the price elasticity 
of demand for electricity in the range of -0.1 to -0.7, 
with some long-run estimates going higher. An elasticity 
of -0.2, meaning that a 1% increase in price results in a 
0.2% decrease in the quantity demanded, is considered a 
conservative estimate of long-run price elasticity. 

The high customer charge rate design results in a 
15% lower price per kilowatt-hour compared to the low 
customer charge rate design. Assuming an elasticity of -0.2, 
that would imply that customers would consume about 3% 
more electricity (-0.2 elasticity x 15% change in rate = 3% 
change in usage) as a result of the lower per-kWh price. 

The minimum bill rate form, on the other hand, only 
reduces the price per kWh by 1% compared to the low 
customer charge rate design; assuming the same elasticity 
factor, the minimum bill design would increase usage by 
only about 0.2% among customers using more than the 
minimum billed quantity, when compared with their usage 
under the low customer charge rate form. 

There is, however, a chance that the very small users 
might increase their usage up to the 150 kWh minimum. 
With this $20 minimum bill, customers using less than 
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*The minimum bill will only apply when customer’s usage is so low that 
their bill falls below $20.
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150 kWh per month would see no change in their bills if 
they increased usage up to 150 kwh. But, since only a small 
percentage of customers use that little power, even if they 
did so, usage would not increase very much.

Evaluating a choice between a $20 fixed customer charge 
and a $20 minimum bill charge, we would expect about 15 
times as much additional usage under the $20 fixed charge 
as under the $20 minimum bill charge.

Impact on PV Customers
Part of the concern that is raised by utilities is that 

customers with solar PV systems are “net-metering” to zero 
kWh, and paying only the customer charge in a monthly 
bill. These customers remain dependent on the grid for 
storage and shaping of their daytime energy production. 
Solar advocates argue that the grid is receiving a more 
valuable product – daytime renewable energy – than it 
is providing to the customers at night from conventional 
generation, and that this is a form of rough equity.

A minimum bill would ensure that a PV customer with 
net consumption of zero would still contribute to system 
costs. In the example, these customers would pay $20 per 
month. But, rather than distort the rate design for all custom-
ers, only the low-consumption consumers would be affected, 
allowing rates that continue to reflect all system costs to be 
applied to the overwhelming majority of energy sales.

Advantages and Disadvantages
A rate design that uses a customer charge combined with 

a kWh charge is simple to understand and administer. It 
provides a clear price signal for each kWh. If the customer 
charge is lower, the per-kWh charge is higher. However, the 
public is used to doing business for other purchases with a 
zero customer charge – grocery stores, gas stations, and vir-
tually all other retailers only charge customers for what they 
buy, not for the privilege of being a customer (membership 
warehouse clubs are exceptions, with fees designed to weed 
out “browsers” from their stores.) There may also be conflict 
with intended outcomes for low use customers.

A minimum bill rate design has an advantage in that the 
per-kWh price is higher, more closely reflecting long-run 
marginal costs (all costs are variable in the long run). This 
rate design encourages prudent usage, better aligned with 

investment impacts from consumption and investment 
in energy efficiency. This means customer choices about 
usage and, importantly, energy-related investments, will 
be informed by electricity prices that reflect long run grid 
value. The disadvantage is that, for the very small number 
of customers whose usage is below the “minimum,” this 
rate design provides no disincentive at all to using the 
minimum amount of electricity. It can be perceived to have 
a disadvantage of encouraging additional usage by those 
users with usage below the minimum billed amount, but 
there are very few of these customers, and their prospective 
additional usage increase is minimal. Users in this group 
may argue that the minimum bill is unfair to them.

Finally, a minimum bill rate form ensures that second-
homes, which may have no consumption during the off-
season, contribute to utility revenues. This is sometimes 
presented as an economic justice issue, since second homes 
are generally held only by upper-income consumers. 

Conclusion
The primary purpose of utility regulation is to enforce 

the pricing discipline on monopolies that competitive 
markets impose on most firms. Competitive firms nearly 
always recover all of their costs in the price per unit of 
their products. Therefore, any fixed monthly charge 
for electricity service represents a deviation from this 
underlying principle of utility regulation. The most 
commonly applied customer charges recover only 
customer-specific costs, such as billing and collection, in a 
fixed customer charge, leaving all costs of the shared system 
to be recovered in usage charges.

A regulator seeking to increase the contribution to 
utility system costs from those customers with minimal 
consumption can do so with either a higher customer 
charge, or establishing a minimum bill. The minimum 
bill option will ensure that all customers contribute to 
distribution costs, but without significantly stimulating 
consumption by higher-use customers or raising the bills of 
lower-income, low-use customers.

Forthcoming in Second Quarter, 2015: Electric Rate 
Design for the Utility of the Future. Watch for this on our 
website, www.raponline.org
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Email Correspondence With Jason Ball, Deputy Assistant Director, Energy Resource
Economics & Reliability (ER2), Washington Utilities And Transportation Commission 

From: "Ball, Jason (UTC)" <jason.ball@utc.wa.gov>
To: Andy Shadrack <ashadra@telus.net>
Subject: RE: Minimum System COSA Methodoloy
Date: Tue, 10 Apr 2018 16:56:34 +0000

Andy,

The Washington Commission has a currently open generic investigation into Cost of Service 
which may address some of your questions.  If you are interested, the Docket is UE-170002 
and can be found through the online records center: 
https://www.utc.wa.gov/docs/Pages/DocketLookup.aspx

1. Can you please state what the current WUTC disposition is towards the Minimum System 
and Zero-Intercept COSA methodologies, and what the most recent Commission panel 
determination has been on these two similar concepts.

The UTC has universally rejected the minimum system and zero intercept models in favor of 
the Basic Customer methodology. Two attempts in previous years (2015 and 2017) to move 
away from the Basic Customer methodology have failed. Under both scenarios however, the 
proposal was a modified version of the Basic Customer methodology and did not rely on 
either of the above approaches. 

2. Is this the same position as that taken back in 1992 when it was stated:

"We direct the parties not to propose the Minimum System approach in the future unless 
technological changes in the utility industry emerge, justifying revised proposals" (Docket No. 
UE-920499, Ninth Supp. Order on Rate Design, 1992, p 11).

Correct. This is the currently accepted approach and it has not been materially altered since 
1992. 

3. If not how has the WUTC Modified it's position.

See above. 

4. Next, and last, what components does the Commission allow to be considered for the 
creation of the Basic Customer Charge?

The basic customer method consists of meter, metering expenses, billing costs, and the 
related general plant. 

https://www.utc.wa.gov/docs/Pages/DocketLookup.aspx


5. Has this evolved and have they rejected including certain costs in the Basic Charge, 
recently, and what were those components that were rejected for inclusion by the 
Commission?

The recent rejections concerned the inclusion of overhead transformers in the basic charge.  
The Commission ruled:

e are not persuaded on the basis of the current record that transformer costs should be 
recovered in basic charges, or through a minimum bill. We have never approved such a 
proposal and continue to believe these costs are not customer-related costs as that term is 
generally understood. Transformer costs should be recovered as distribution charges subject 
to PSE's electric decoupling mechanism, which adequately protects the Company's recovery 
of its fixed costs.
Order 08, UE-170033 Para. 357

Feel free to reach out to me if you have more questions

Jason Ball
Washington Utilities and Transportation Commission
360-664-1279

-----Original Message-----
From: Andy Shadrack [mailto:ashadra@telus.net] 
Sent: Sunday, April 01, 2018 12:10 PM
To: Ball, Jason (UTC) <jason.ball@utc.wa.gov>
Subject: Minimum System COSA Methodoloy

Kaslo, BC

Canada

Sunday April 1st

Mr Ball, my name is Andy Shadrack and I am tasked with appearing, for the Kaslo Senior 
Citizens Association - Branch #81 - before the British Columbia Utilities Commission as a 
registered intervener on the FortisBC Inc 2017 Cost of Service Analysis and Rate Design 
application. I have been forwarded you name and contact information by Jim Lazar.

1. Can you please state what the current WUTC disposition is towards the Minimum System 
and Zero-Intercept COSA methodologies, and what the most recent Commission panel 
determination has been on these two similar concepts.

2. Is this the same position as that taken back in 1992 when it was stated:

"We direct the parties not to propose the Minimum System approach in the future unless 
technological changes in the utility industry emerge, justifying revised proposals" (Docket No. 
UE-920499, Ninth Supp. Order on Rate Design, 1992, p 11).

mailto:ashadra@telus.net


3. If not how has the WUTC Modified it's position.

4. Next, and last, what components does the Commission allow to be considered for the 
creation of the Basic Customer Charge?

5. Has this evolved and have they rejected including certain costs in the Basic Charge, 
recently, and what were those components that were rejected for inclusion by the 
Commission?

Thank you for any assistance you can give as I am a lay person trying to represent seniors, 
many of them low income.

Finally could you please state your current position within the WUTC and the expertise that 
allows you to provide the answers I am seeking.

All of which is respectfully submitted
Andy Shadrack

***********************************************

From: "Ball, Jason (UTC)" <jason.ball@utc.wa.gov>
To: Andy Shadrack <ashadra@telus.net>
Subject: RE: Minimum System COSA Methodoloy
Date: Wed, 11 Apr 2018 15:44:56 +0000

Andy,

I do not have any objection. My e-mails are in-line with publicly available testimony I have 
given previously. 

Can you please list for me what items and/or services are allowed under general plant, as our
current "Basic Charge" is $16.05 per monthly billing period with a proposal to go to $18.70 per
month. That would allow 55% of these costs to be collected via the "Basic Charge", up from 
45% currently. So I am wanting to compare what is allowed and also to know how much of 
fixed costs are collected through the energy rate.

It sounds like the fixed charge you are looking has more in common with a straight-fixed-
variable approach as a opposed to the Washington Method. The general plant that is 
included in the Basic Customer Method is only plant related to billing and metering, for 
instance the cost of a billing department and its proportional building expenses. The basic 
customer method does not allow any fixed costs related to the distribution, generation, or 
transmission of electricity. It is solely related to billing and metering. 

Here in BC both of our major electrical utilities, BC Hydro and FortisBC Inc, primarily, almost 
exclusively, use hydro dams to produce our electricity. Would that be equally true for all the 
electrical utilities in Washington State?



It depends on the utility. Avista utilizes mostly hydro but Pacific Power and PSE are both more
reliant on thermal or market purchases. Still hydro power is a key resource in the region. I 
suggest looking at the fuel mix disclosure data published by the department of commerce. 
http://www.commerce.wa.gov/growing-the-economy/energy/fuel-mix-disclosure/

What I am trying to do is make sure I am comparing apples to apples and not apples to 
oranges, as comparisons for example with BC and Alberta and Saskatchewan are not 
comparable, in my opinion, as both Alberta and Saskatchewan have been dependant on coal 
to produce a considerable portion of their electricity.

That is commendable. Depending on the resource mix you may wish to contact one of the 
PUD's such as SNOPUD, Tacoma Power, or Seattle City and Light. They may have more 
information on these kind of rate methodologies. The UTC does not have authority over any 
of the municipals or COOP's, just the private entities. 

Finally, what is your title and role within UTC.

Regulatory Analyst - I provide economic, financial, accounting, and policy analysis as a 
member of Commission Staff. We serve as an independent third-party in rate case 
proceedings. 

Jason Ball

-----Original Message-----
From: Andy Shadrack [mailto:ashadra@telus.net] 
Sent: Wednesday, April 11, 2018 8:35 AM
To: Ball, Jason (UTC) <jason.ball@utc.wa.gov>
Subject: RE: Minimum System COSA Methodoloy

Kaslo, BC
Canada

Wednesday April 11th

Jason, thank you for taking the time to share your information from UTC.

Do you have any objection if I share our correspondence with the Secretary of the British 
Columbia Utilities Commission as they have allowed FortisBC Inc to use the Minimum System
methodology for their COSA since 2009?

Can you please list for me what items and/or services are allowed under general plant, as our
current "Basic Charge" is $16.05 per monthly billing period with a proposal to go to $18.70 per
month. 
That would allow 55% of these costs to be collected via the "Basic Charge", up from 45% 
currently. So I am wanting to compare what is allowed and also to know how much of fixed 
costs are collected through the energy rate.

mailto:ashadra@telus.net
http://www.commerce.wa.gov/growing-the-economy/energy/fuel-mix-disclosure/


Here in BC both of our major electrical utilities, BC Hydro and FortisBC Inc, primarily, almost 
exclusively, use hydro dams to produce our electricity. Would that be equally true for all the 
electrical utilities in Washington State?

What I am trying to do is make sure I am comparing apples to apples and not apples to 
oranges, as comparisons for example with BC and Alberta and Saskatchewan are not 
comparable, in my opinion, as both Alberta and Saskatchewan have been dependant on coal 
to produce a considerable portion of their electricity.

Finally, what is your title and role within UTC.

Respectfully
Andy Shadrack

From: "Ball, Jason (UTC)" <jason.ball@utc.wa.gov>
To: Andy Shadrack <ashadra@telus.net>
Subject: RE: Basic Customer Charge Costs
Date: Thu, 17 May 2018 22:10:05 +0000

Andy,

I have attached a page from a 2017 Puget Sound Energy general rate case which shows the 
breakdown by schedule of how the basic charge is calculated. 

Regarding the specific cost categories, I refer back to my previous e-mail (attached). The 
concern about basic charges in Washington doesn't really revolve around the accounting 
used to describe the basic charge but more the type of costs that are included. As I discussed
previously, the UTC has held firm to the Basic Customer Methodology which looks at meter, 
metering expenses, billing costs, and the related general plant. 

I hope this helps.

Jason Ball
Deputy Assistant Director
Energy Resource Economics & Reliability (ER2)
(360) 790-2719 Office
jason.ball@utc.wa.gov

Utilities and Transportation Commission
www.utc.wa.gov

-----Original Message-----
From: Andy Shadrack [mailto:ashadra@telus.net] 
Sent: Thursday, May 17, 2018 5:38 AM
To: Ball, Jason (UTC) <jason.ball@utc.wa.gov>
Subject: Basic Customer Charge Costs

mailto:ashadra@telus.net
http://www.utc.wa.gov/


Kaslo

Thursday May 17th

Jason further to your emails of April 10th and April 11th KSCA81 has a further question for 
you:

At British Columbia Sustainable Energy Association Information Request #1.4.2 FortisBC lists
it's basic customer charge costs as:

Return & Income Taxes $15.21
Depreciation $10.73
Distribution $4.04
Customer Service, Accounts and Sales $3.74 Property Taxes $2.87 Administrative & General 
$1.57 (Other Revenues) -($2.57) Revenue Requirement $35.60

http://www.bcuc.com/Documents/Proceedings/2018/DOC_51484_B-12_FBC-Response-to-
BCSEA-IR1.pdf

Could you please list the cost categories that Washington State Utilities and Transportation 
Commission currently allows a utility to use for creating a basic charge and then please 
explain why it does not allow others.

Respectfully submitted
Andy Shadrack
for Kaslo Senior Citizens Association Branch #81
---
This email has been checked for viruses by Avast antivirus software.
https://www.avast.com/antivirus

 PSE BC Detail.xlsx 

file:///C:/Users/Andy/AppData/Roaming/Qualcomm/Eudora/SockBox/PSE%20BC%20Detail.xlsx
https://www.avast.com/antivirus
http://www.bcuc.com/Documents/Proceedings/2018/DOC_51484_B-12_FBC-Response-to-BCSEA-IR1.pdf
http://www.bcuc.com/Documents/Proceedings/2018/DOC_51484_B-12_FBC-Response-to-BCSEA-IR1.pdf
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CONSUMER PRICE INDEX (2002 = 100) - ANNUAL 

CANADA BRITISH COLUMBIA VANCOUVER VICTORIA 

Annual Annual Annual Annual 

All Items Percent All Items Percent All Items Percent All Items Percent 

Year Index Change Index Change Index Change Index Change 

1961 15.7 1.3 
1962 15.9 1.3 
1963 16.1 1.3 £ X /'--1 6 i /- iq 1964 16.4 1.9 
1965 16.8 2.4 ' ' 

1966 17.5 4.2 
for615 (3 C +()C . 2-tJ/1 cl)st ~ F ;;t...rvtc.e A,iafyf1s 

1967 18.1 3.4 
1968 18.8 3.9 Q/l d ({0-{t_ /J-t-? tj'f1 1969 19.7 4.8 
1970 20.3 3.0 
1971 20.9 3.0 21.4 
1972 21.9 4.8 22.6 5.6 
1973 23.6 7.8 24.2 7.1 
1974 26.2 11.0 27.0 11.6 
1975 29.0 10.7 30.0 11.1 
1976 31.1 7.2 32.9 9.7 
1977 33.6 8.0 35.3 7.3 
1978 36.6 8.9 38.0 7.6 
1979 40.0 9.3 41.5 41.0 7.9 
1980 44.0 10.0 45.4 9.4 44.8 9.3 
1981 49.5 12.5 51.8 14.1 51.2 14.3 
1982 54.9 10.9 57.3 10.6 56.6 10.5 
1983 58.1 5.8 60.4 5.4 59.7 5.5 
1984 60.6 4.3 62.8 4.0 62.1 4.0 
1985 63.0 4.0 64.8 3.2 64.0 3.1 66.2 
1986 65.6 4.1 66.7 2.9 66.2 3.4 67.3 1.7 
1987 68.5 4.4 68.7 3.0 68.2 3.0 69.0 2.5 
1988 71.2 3.9 71.2 3.6 70.6 3.5 71.7 3.9 
1989 74.8 5.1 74.4 4.5 73.8 4.5 75.0 4.6 
1990 78.4 4.8 78.4 5.4 77.8 5.4 78.9 5.2 
1991 82.8 5.6 82.6 5.4 81 .9 5.3 83.4 5.7 
1992 84.0 1.4 84.8 2.7 84.3 2.9 85.2 2.2 
1993 85.6 1.9 87.8 3.5 87.3 3.6 87.7 2.9 
1994 85.7 0.1 89.5 1.9 89.1 2.1 89.5 2.1 
1995 87.6 2.2 91.6 2.3 91.3 2.5 91.7 2.5 
1996 88.9 1.5 92.4 0.9 92.1 0.9 92.6 1.0 
1997 90.4 1.7 93.1 0.8 92.6 0.5 93.5 1.0 
1998 91.3 1.0 93.4 0.3 93.0 0.4 93.7 0.2 
1999 92.9 1.8 94.4 1.1 93.9 1.0 94.7 1.1 
2000 95.4 2.7 96.1 1.8 96.0 2.2 96.2 1.6 
2001 97.8 2.5 97.7 1.7 97.8 1.9 97.4 1.2 
2002 100.0 2.2 100.0 2.4 100.0 2.2 100.0 2.7 
2003 102.8 2.8 102.2 2.2 102.0 2.0 102.2 2.2 
2004 104.7 1.8 104.2 2.0 104.0 2.0 104.6 2.3 
2005 107.0 2.2 106.3 2.0 106.0 1.9 106.9 2.2 
2006 109.1 2.0 108.1 1.7 108.0 1.9 108.5 1.5 
2007 111.5 2.2 110.0 1.8 110.2 2.0 109.8 1.2 
2008 114.1 2.3 112.3 2.1 112.8 2.4 111.8 1.8 
2009 114.4 0.3 112.3 0.0 112.9 0.1 111.9 0.1 
2010 116.5 1.8 113.8 1.3 114.9 1.8 113.1 1.1 
2011 119.9 2.9 116.5 2.4 117.5 2.3 115.5 2.1 
2012 121.7 1.5 117.8 1.1 119.0 1.3 116.7 1.0 
2013 122.8 0.9 117.7 -0.1 119.2 0.2 116.3 -0.3 
2014 125.2 2.0 118.9 1.0 120.5 1.1 117.3 0.9 
2015 126.6 1.1 120.2 1.1 121.9 1.2 118.6 1.1 
2016 128.4 1.4 122.4 1.8 124.6 2.2 120.7 1.8 
2017 130.4 1.6 125.0 2.1 127.3 2.2 123.0 1.9 

Source: Statistics Canada, CANSIM Table 326-0021. 
Reproduced and distributed on an "as is" basis with the 
permission of Statistics Canada. Produced by:' BC Stats, January 2018 
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British Columbia Consumer Price Index, Annual Averages, Selected Items (2002=100) 

2008 2009 2010 2011 2012 2013 2014 2015 2016 2017 

ALL-ITEMS 112.3 112.3 113.8 116.5 117.8 117.7 118.9 120.2 122.4 125.0 

% change from previous year 2.1 0.0 1.3 2.4 1.1 -0.1 1.0 1.1 1.8 2.1 

Food 112.9 117.7 119.6 124.6 127.3 127.4 129.5 134.5 136.9 137.7 

% change from previous year 3.3 4.3 1.6 4.2 2.2 0.1 1.6 3.9 1.8 0.6 

Shelter 114.3 112.3 113.1 114.3 114.2 113.3 114.2 114.1 115.7 118.7 

% change from previous year 3.1 -1 . 7 0.7 1.1 -0.1 -0.8 0.8 -0.1 1.4 2.6 

Rented Accommodation 106.1 107.9 109.5 110.9 112.3 113.7 114.8 116.0 117.1 118.5 

% change from previous year 2.0 1.7 1.5 1.3 1.3 1.2 1.0 1.0 0.9 1.2 

Owned Accommodation 116.0 113.1 112.1 112.6 111 .2 109.0 108.5 108.0 110.1 113.2 

% change from previous year 2.8 -2.5 -0.9 0.4 -1 .2 -2.0 -0.5 -0.5 1.9 2.8 

Household Operations & Furnishings 103.4 105.7 106.5 108.4 110.9 111.7 112.8 114.6 116.9 117.7 

% change from previous year Q.8 2.2 0.8 1.8 2.3 0.7 1.0 1.6 2.0 0.7 

Clothing & Footwear 99.1 99.4 98 .3 97 .6 100.5 101 .0 101.2 103.7 104.7 104.5 

% change from previous year -0.8 0.3 -1 .1 -0.7 3.0 0.5 0.2 2.5 1.0 -0.2 

Transportation 119.1 113.6 117.1 122.7 125.2 126.3 127.6 126.3 129.2 134.1 

% change from previous year 2.5 -4.6 3.1 4.8 2.0 0.9 1.0 -1 .0 2.3 3.8 

Health & Personal Care 108.5 111 .5 113.9 115.2 115.5 113.2 112.9 113.8 115.8 118.1 

% change from previous year 0.6 2.8 2.2 1.1 0.3 -2.0 -0.3 0.8 1.8 2.0 

Recreation, Education & Reading 109.8 111 .0 112.0 113.2 113.1 112.6 113.8 116.1 119.4 122.3 

% change from previous year 0.7 1.1 0.9 1. 1 -0.1 -0.4 1. 1 2.0 2.8 2.4 

Tuition Fees 174.7 179.4 184.0 187.7 192.0 196.4 200.8 205.4 209.9 214.3 

% change from previous year 2.5 2.7 2.6 2.0 2.3 2.3 2.2 2.3 2.2 2.1 

Alcoholic Beverages & Tobacco Product! 120.7 123.8 126.3 129.6 130.6 131.4 135.1 137.6 141.4 145.1 

% change from previous year 1.3 2.6 2.0 2.6 0.8 0.6 2.8 1.9 2.8 2.6 

Cigarettes 130.7 135.6 141 .6 150.2 150.3 150.3 165.8 173.0 176.8 183.0 

% change from previous year 0.7 3.7 4.4 6.1 0.1 0.0 10.3 4.3 2.2 3.5 

Special Aggregations: 

Energy 143.9 127.6 138.2 151 .7 155.2 157.5 161 .9 151 .6 147.3 159.4 

% change from previous year 95 -11.3 8.3 98 2.3 1.5 2.8 -6.4 -2.8 8.2 

Electricity 111.4 110.4 122.1 129.0 138.5 141 .1 150.4 160.2 167.3 173.3 

% change from previous year 3.1 -0.9 10.6 5.7 7.4 19 6.6 6.5 4.4 3.6 

Natural Gas 126.3 115.4 118.0 112.0 107.0 108.3 115.9 101.4 88.7 93.2 

% change from previous year 6.7 -8.6 2.3 -5.1 -4.5 1.2 7.0 -12.5 -12.5 5.1 

Fuel Oil & Other Fuel 220.3 1!,1 .8 190.5 232.0 243.6 245.0 252.1 208.7 195.3 216.8 

% change from previous year 25.2 -26.6 17.7 21 .8 5.0 0.6 2.9 -17.2 -6.4 11 .0 

Motor Gasoline 169.6 143.9 156.9 180.3 183.2 186.4 186.3 166.7 159.4 178.5 

% change from previous year 12.5 -15.2 9.0 14.9 1.6 1. 7 -0.1 -10.5 -4.4 12.0 

All-Items Excluding Food 112.2 111 .2 112.6 114.9 115.9 115.8 116.8 117.4 119.6 122.5 

% change from previous year 1.9 -0.9 1.3 2.0 0.9 -0.1 0.9 0.5 1.9 2.4 

All-Items Excluding Energy 110.0 111 .1 112.0 113.9 115.0 114.9 115.9 117.8 120.4 122.4 

% change from previous year 1.5 1.0 0.8 1. 7 1.0 -0.1 09 1.6 2.2 1.7 

All-Items Exclud. Alcohol & Tobacco 112.0 111 .9 113.4 116.0 117.3 117.2 118.4 119.6 121.8 124.3 

% change from previous year 2.1 -0.1 1.3 2.3 1. 1 -0.1 1.0 1.0 1.8 2.1 

All-Items Excluding Food & Energy 109.3 109.6 110.3 111.5 112.3 112.1 112.9 114.2 116.9 119.1 

% change from previous year 1.0 0.3 0.6 1.1 0.7 -0.2 0.7 1.2 2.4 1.9 

Source: Statistics Canada, CANSIM Table 326-0021 Prepared by: BC Stats , January 2018 



Exhibit 26 – Access to Electricity
FortisBC Inc 2017 Cost of Service Analysis and Rate Design

Table 1
Comparison of Basic Charge Options

Company FortisBC 2018 Basic
Customer Charge

$16.054

Puget Sound Power
Equivalent Charge

$9.393

Proposed FortisBC
2023 Basic Customer

Charge $18.704

$30 monthly budget 138 kWh1 204 kWh1 96 kWh1

Daily Access 4.6 kWh2 6.8 kWh2 3.2 kWh2

$40 monthly budget 237 kWh1 303 kWh1 181 kWh1

Daily Access 7.9 kWh2 10.1 kWh2 6 kWh2

$50 monthly budget 336 kWh1 401 kWh1 266 kWh1

Daily Access 11.2 kWh2 13.4 kWh2 8.9 kWh2

1. The 2018 FBC electric energy unit rate is $.10117 per kWh and the same electric energy 
unit rate is used for Puget Sound Power Equivalent charge for comparison purposes, noting 
that it should be increased to adjust for the drop in the Basic Customer Charge (BCC). The 
2023 FBC electric energy unit rate is $.11749 per kWh.

2. At a monthly budget of $30 the Puget Sound Power Equivalent Customer Charge rate (as 
stated in KSCA#81 IR#2.1.2.i) allows a residential customer to purchase 47.8% more kWh 
than from FBC currently, and 112.5% more if FBC’s proposed 2023 BCC is adopted. At a 
monthly budget of $40 the Puget Sound Power Equivalent allows a residential customer to 
purchase 27.8% more kWh currently, and 68.4% than if the 2023 FBC proposal is adopted. 
With a $50 budget the Puget Sound Power Equivalent allows for 19.3% and 50.8% more use 
of kWh respectively.

3. It is assumed that FBC’s KSCA#81 IR#2.1.2.i response was in Canadian dollars and it is 
understood that the Puget Sound Power Equivalent energy rate per kWh would be somewhat 
higher to adjust for the lower BCC.

4. The proposed increase in the FBC BCC between 2018 and 2023 ensures that low useage 
residential customers end up accessing 30.4% fewer kWh on a $30 per month electricity 
budget, 23.6% less on a $40 monthly budget and 20.8% less on a $50 monthly budget.

Between a nearly 1 in 3 and 1 in 5 reduction in access to residential electrical power for those
on fixed and low incomes is not an acceptable rate design, and is contrary to Bonbright 
principal 7. While there is no mechanism, under the current Utilities Commission Act, to make 
rate adjustments due to income that does not mean that public utilities have carte blanche to 
go out of their way to discriminate against primarily lower useage customers, who primarily 
coincide with those on fixed and low incomes.



Table 2
Comparison of Basic Charge versus Minimum Billing System Options

Company FortisBC 2018 Basic
Customer Charge

$16.054

Minimum Charge of
$15.18 per month at

an energy rate of
$.11331 per kWh3

Minimum Charge of
$15.18 per month at

an energy rate of
$.13159 per kWh4

$30 monthly budget 138 kWh1 265 kWh3 228 kWh4

Daily Access 4.6 kWh2 8.8 kWh2 7.6 kWh2

$40 monthly budget 237 kWh1 353 kWh3 304 kWh4

Daily Access 7.9 kWh2 11.8 kWh2 10.1 kWh2

$50 monthly budget 336 kWh1 441 kWh3 380 kWh4

Daily Access 11.2 kWh2 14.7 kWh2 12.7 kWh2

$97 monthly budget 800 kWh5 892 kWh5 737 kWh5

Daily Access 26.7 kWh2 29.7 kWh2 24.6 kWh2

$150 monthly budget 1,139 kWh6 1,139 kWh6 1,140 kWh6

Daily Access 38 kWh2 38 kWh2 38 kWh2

1. The 2018 FBC electric energy unit rate is $.10117 per kWh.

2. A 30 day month is used for calculation purposes.

3. It is assumed that abolition of the BCC would cause FBC’s 2018 tier 1 and tier 2 rates to 
increase by 12%, as described in the Company’s response to KSCA#81 IR2.8.9.iv, from 
$.10117 per kWh for tier 1 to $.1331 per kWh, and from $.15617 for tier 2 to $.17491 per 
kWh.

Those with household electricity budgets of only $30, $40 and $50 would have access to127 
(92%) more kWh, 116 (48.9%) more kWh and 105 (31.3%) more kWh respectively, if the BCC
was abolished and the current tier 1 and tier 2 rates were kept in place. 

4.  It is assumed that abolition of the BCC would cause FBC’s proposed 2023 flat rate to 
increase from $.11749 per kWh to $.13159 per kWh. Under the proposed 2023 flat rate, 
without the BCC, those with budgets of only $30, $40, and $50 would access 14%, 13.9% 
and 13.8% fewer kWh than if the tier 1 and tier 2 rates were kept in place, but 65.2%, 28.3% 
and 13.1%, respectively, more than currently.  

5. In 2018 a monthly budget of $97 buys 800 kWh, but with abolition of the BCC would buy 
800 tier 1 kWh and an additional 92 tier 2 kWh, whereas in contrast, under FBC’s proposed 
2023 flat rate, without the BCC, a customer would access 63 kWh less per month than in 
2018. That’s 11.5% more kWh under a minimum charge billing of $15.18 versus 7.9% fewer 
kWh under FBC’s 2023 flat rate proposal.



6. It is not until a residential customer budgets $150 per month for electricity that the current 
2018 rate buys the equivalent number of kWh as that provided under a minimum billing 
system of $15.18. Thus, in accordance with estimates provided by FBC in Table 6-10 of the 
application, approximately 75% of all residential customers would have equal to or a greater 
than access to the number of kWh under a minimum billing system of $15.18 per month.  



Exhibit 27
Electricity Consumption 2005-2018 - Shadrack/Bauman Household, Kaslo

FortisBC Inc 2017 Cost of Service Analysis and Rate Design

2005 February April June August October December

kWh
Daily

1,194
19

1,182
19.1

1,094
18.9

828
13.1

1,048
18.7

1,074
17

Cost - Taxes $93.73 $94.6 $89.05 $72.07 $85.9 $87.53

Cost +Taxes $100.29 $101.22 $90.28 $73.86 $91.91 $93.66

2006 February April June August October December

kWh
Daily

1,378
20

1,085
18.7

1,023
16.5

950
15.3

934
16.1

846
13.6

Cost - Taxes $110.81 $93.42 $89.31 $84.44 $83.38 $77.52

Cost + Taxes $117.91 $99.96 $95.96 $89.51 $88.38 $82.17

2007 February April June August October December

kWh
Daily

1,063
17.1

829
13.4

681
11.5

678
10.9

572
9.4

662
11.2

Cost - Taxes $92.63 $77.56 $68.74 $68.53 $61.24 $67.43

Cost + Taxes $98.19 $82.21 $72.86 $72.64 $65.06 $71.75

2008 February April June August October December

kWh
Daily

710
11.5

630
10.3

551
8.9

403
6.7

Fridge
Broken

399
6.5

Fridge
Broken

698

Cost - Taxes $71.98 $67.11 $61.84 $51.45 $51.17 $72.50

Cost + Taxes $75.87 $70.74 $65.18 $54.23 $53.93 $76.42

2009 February April June August October December

kWh
Daily

604
10.1

678 
10.9

581
10

580 
8.1

430 
7.4

687 
11.1

Cost - Taxes $70.67 $74.34 $67.10 $67.03 $56.64 $76.66

Cost +Taxes $74.48 $78.36 $70.73 $70.65 $59.70 $80.80

2010 February April June August October December

kWh
Daily

661
10.5

691
11.2

540
9.2

570
9.3

513
8.3

605
10.3

Cost - Taxes $77.59 $81.59 $69.39 $71.80 $68.52 $76.79

Cost + Taxes $81.78 $86.00 $73.13 $75.49 $71.94 $80.62

2011 February April June August October December

kWh Used
Daily Use

596 
9.6

584
9.6

487
7.9

622
10.4

413
6.9

638
10.3

Cost +Taxes $79.37 $80.01 $72.90 $86.67 $67.40 $88.14

Cost - Taxes $83.33 $84.01 $76.55 $91.00 $70.77 $92.55



2012 February April June August October December

kWh Used
Daily Use

596
9.9

559
9

283 
4.6

Away May

554 
9.4

491
7.9

612
10

Cost - Taxes $86.60 $84.12 $57.66 $77.91 $70.20 $80.19

Cost + Taxes $90.93 $88.32 $60.54 $81.81 $73.71 $84.20

2013 February April June August October December

kWh Used
Daily

576
9.1

587
9.5

480 
9.4 

Estimate

563 
9.4

Estimate

459
 7.9

Estimate

622 
9.9

Estimate

Cost - Taxes $79.88 $82.00 $72.58 $79.89 $70.74 $85.08

Cost + Taxes $83.88 $86.10 $76.21 $83.88 $74.28 $89.33

2014 February April June1 August October December

kWh Used
Daily Use

665 
10.4

Adjustme
nt

after
strike

513
8.4

617
10

483
8.2

445
7.3

537
9.3

Cost - Taxes $90.23 $76.98 $86.43 $74.25 $70.79 $79.16

Cost + Taxes $94.74 $80.83 $90.75 $77.96 $74.33 $83.12

2015 February April June August October December

FBC Grid Use 
SolarTransfer
Net Grid Use
Daily Grid Use
DailySolarUse
Total Daily Use

673
-

673
10
-

10

3982

-
398

9
.25
9.25

504/6.5
285/3.7

219
2.8
1.5
4.3

351/5.8
341/5.6

10
.2

3.3
3.5

446/7.5
284/4.8

162
2.7
2.3
5

509/8.3
106/1.7

403
6.6
1.2
7.8

Cost - Taxes $93.05 $59.7 $50.94 $31.28 $45.82 $68.86

Cost + Taxes $97.70 $62.69 $53.49 $32.85 $48.11 $72.81

2016 February April June1 August October December

FBCGU
ST
NGU
DGU
DSU
TDU

538/8.7 
52/.8
486
7.8
.8

8.6

491/7.8
280/4.4

211
3.3
2.2
5.5

325/5.6
395/6.8

-(70)
-(1.2) 

2.1
.9

415/6.8
354/5.8

61
1

2.6
3.6

404/6.5
296/4.8

108
1.7
2.1
3.8

542/8.6
57/.9
485
7.7
.8
8.5

Cost - Taxes $77.85 $52 $24.43 $37.24 $41.86 $78.98

Cost + Taxes $82.00 $55.98 $27.5 $40.84 $45.41 $83.21



20173 February April June August October December

FBCGU
ST
NGU
DGU
DSU
TDU

538/8.5
89/1.4

449
7.1
.8

7.9

364/6.5
102/1.8

262
4.7
.7

5.4

445/7.4
334/5.55

111
1.85
N/A
N/A

363/6
713/11.7

-(350)
-(5.7)  

3.1
-(2.6)

373/6.1
517/8.5
-(144)
-(2.4)
3.1
.7

554/8.8
99  /  1  .6
455
7.2
.7

7.9

Cost -Taxes $77.12 $58.60 $43.32 -($3.3) $15.8 $78.12

Cost+Taxes $80.98 $61.53 $45.48 -($1.7) $17.4 $82.02

2018 February April May4 June July5 August

FBCGU
ST
NGU
DGU
DSU
TDU

532/9 
97/1.6

435
7.4
.7

8.1

646/11.5
313/5.6

333
5.95
2.7
8.6

556/11.1
542/10.8

14
.3

5.3
5.6

174/5.8
359/12>
-(185)
-(6.2>)

3.6
-(2.5)

199/6.4
395/12.7

-(196)
-(6.3)
4.2>
-(2.1)

Cost-Taxes $76.1 $65.78 $28.16 -($2.68) -($3.78)6

Cost+Taxes $79.9 $69.06 $29.57 -($1.88) -($2.98)6

1. In June 2014, the last year before the Shadrack/Bauman household installed a solar PV system, 
daily grid consumption of electrical power from FortisBC was 43.6% lower than 2005. By June 2016, 
the first full year of solar production, average daily grid consumption had dropped to 29.7% of 2005, 
and net daily grid consumption, after transfer of solar PV-produced electrical power, was a negative -
(6.3%) of 2005.

2. The April billing period ended early on the 2nd, the day the Shadrack/Bauman household enrolled in 
the NM program, and as a consequence the June billing period was longer in 2015.

3. In 2017 the Shadrack/Bauman household purchased 2.6 MWh of electricity from FortisBC, while 
transferring back 1.85 MWh to the Company’s grid. Consequently net grid consumption was just over
.78 MWh, or just over 2.1 kWh per day. 7.2 kWh was consumed per day from the grid less 5.1 kWh 
per day transferred back from solar PV production: a 70.8% replacement rate.

This net consumption level represents an 87.4% reduction of grid electricity since 2006. To achieve 
that, the Shadrack/Bauman household invested approximately $40,000 dollars in ten 300 and two 280 
watt panels, as well as twelve batteries, the accompanying inverter equipment, installation costs and a
shed to house it all, while adopting various energy savings measures, including energy efficient 
appliances, LED lighting and replacing all windows and draft proofing the doors.

4. Represents 50 days prior to a switch to monthly billing from bi-monthly.

5. By the end of July 2018 net grid consumption was just below that for all of 2017, and it remains to 
be seen if solar PV production, in the remaining months of the year, can offset the relatively higher 
level of consumption that occurs in November and December.

6. Pre-billing estimate.

Key:
FBCGP = FortisBC Grid Purchase
ST = Solar PV Transfers
NGU = Net Grid Use
DGU = Daily Grid Use
DSU = Daily Solar Use
TDU = Total Daily Use 
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